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Abstract 
We have modelled a gasification-based bitumen extraction and upgrading plant, based on the Long Lake project in Alberta, 
Canada. The process is energy self-sufficient, featuring gasification of upgrading residue (asphaltene) and subsequent H2
extraction. The H2-lean syngas is used as fuel in a co-generation unit to provide power for the complex and steam for bitumen 
extraction. This study involves retrofitting the proposed process to capture CO2 produced in the gasifier. Two CO2 capture 
retrofit cases are considered: integrating pre-combustion CO2 removal to the existing gasification process or adding a post-
combustion CO2 capture plant as a tail-end process. Both options feature a CO2 capture efficiency of 90%. 
 
After CO2 retrofit, natural gas supplementation is required and the power output drops, in both cases. The CO2 reductions 
achieved by the retrofits are roughly 72% with respect to the original process. The net CO2 emissions of the pre- and post-
combustion capture cases are essentially the same. From a performance perspective, no option offers a clear advantage; the pre-
combustion case has lower steam and natural gas requirements and yields less compressed CO2 than the post-combustion case. 
However, the post-combustion retrofit is likely less disruptive to the process, it preserves a greater portion of the power 
production potential of the co-gen plant, and generates a purer CO2 stream than the pre-combustion option. 
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1. Introduction 
Bitumen extraction and upgrading operations in Alberta, Canada, will increase substantially in the next decade. 
These processes are highly energy-intensive, consuming large amounts of natural gas for the production of H2,
steam, power, and heat. Concerns over long-term natural gas cost and supply have motivated many operators to 
consider gasification-based energy production for future projects. Commercial bitumen upgrading processes 
generate high-sulphur petcoke or asphaltene by-products, which are currently stockpiled. These opportunity fuels 
could be gasified to produce H2, power, and steam, thus reducing or potentially eliminating the need for natural gas.  
* Corresponding author. Tel.: +1-780-450-5473; fax: +1-780-450-5083. 
E-mail address: ordorica@arc.ab.ca. 
c© 2009 Elsevier Ltd.
Energy Procedia 1 (2009) 3977 3984
www.elsevier.com/l cate/procedia
doi:10.1016/j.egypro.2009.02.202
Open access under CC BY-NC-ND license.
2 Author name / Energy Procedia 00 (2008) 000–000 
The first one of such systems is currently in an advanced stage of construction in Alberta. The Long Lake project, 
owned by Opti-Nexen Canada, Inc. is a fully integrated bitumen extraction and upgrading facility fuelled by 
gasification of asphaltene residue. The gasification unit provides hydrogen required for upgrading and syngas fuel 
for power and steam production in a cogeneration plant, resulting in almost fully energy self-sufficient operations. 
 
Federal and provincial government initiatives on climate change already mandate CO2 emissions intensity 
reductions for large industrial emitters, including oil sands operations. After 2012, all new oil sands facilities must 
have emission intensities equivalent to CCS-enabled (carbon capture and storage) plants, which is anticipated to 
boost the deployment of CCS in the sector. Alberta’s current climate change strategy relies mostly on CCS to attain 
CO2 emissions reductions of 14% with respect to 2005 levels by 2050 [1], combined with simultaneous energy 
conservation/efficiency and renewable energy implementation, on a smaller scale than CCS.  
 
Within the oil sands industry, the application of CCS technology is primarily targeted toward hydrogen and 
power plants, as they are the largest point sources of CO2. In this context, gasification-based plants in operation 
post-2012 will likely have to be converted to a CO2 capture mode to meet the required reductions. This CO2 retrofit 
will have a substantial impact on capital and operating costs, as well as on plant performance. 
 
In this study, we examine two possible CO2 retrofit schemes and discuss their implementation, using the Long 
Lake project public submission to regulatory agencies as a basis. The first option involves capturing CO2 upstream 
of the cogeneration plant, using pre-combustion capture technology. The second retrofit option consists of adding a 
post-combustion capture plant downstream of the cogeneration plant. We evaluate the impacts of each CO2 capture 
retrofit option on the performance and emissions of the integrated facility and compare them to the original process 
without capture.  
2. Current process description 
A simplified block flow diagram of the Long Lake project is shown in Figure 1. Bitumen is extracted from 
underground reservoirs by means of steam assisted gravity drainage (SAGD). The recovered bitumen is then 
upgraded to synthetic crude oil via a hydrocracking process. During upgrading, heavy liquid asphaltenes are 
removed from the bitumen. The asphaltenes are then converted into a syngas fuel in an entrained gasification unit. 
The syngas is processed in an absorption unit for sulphur removal before entering a PSA (pressure swing 
adsorption) unit where hydrogen is recovered. The syngas product contains more hydrogen than is needed for 
upgrading, thus no CO shift is required. The PSA offgas has a low CO2 concentration and a similar heating value as 
typical unshifted syngas. The offgas is thus used as fuel in a cogeneration plant and upgrading facilities. 
Figure 1. Long Lake project, current process design 
The cogeneration facility consists of two gas turbines that are able to operate on syngas, compressed PSA offgas, 
natural gas, and combinations of the above, for increased flexibility. The cogeneration plant supplies all the steam 
requirements of the complex, including SAGD, and generates excess electricity for sale to the local grid. Multiple 
gasifiers ensure consistent syngas availability, to support uninterrupted steam and hydrogen production for the 
complex. The use of a single acid gas removal and PSA unit for all gasifiers, helps reduce overall capital costs. 
Shell 
Gasifier 
Sulphur 
Removal 
PSA 
Unit 
OrCrude 
Upgrader 
Asphaltene 
Synthetic 
crude oil Oxygen Slag
Water Steam to 
SAGD
Raw 
 syngas 
Acid 
gas
Sweet 
 syngas 
Hydrogen 
Syngas fuel to 
Cogen plant 
Bitumen 
from SAGD 
Syngas fuel 
to upgrading 
3978 G. Ordorica-Garcia et al. / Energy Procedia 1 (2009) 3977–3984
Author name / Energy Procedia 00 (2008) 000–000 3
3. CO2 retrofit requirements and impacts 
3.1. Pre-combustion capture case 
Mitigating emissions from an integrated bitumen upgrading-gasification process such as the Long Lake project 
via CCS involves modifications to the process. According to Higman [2], retrofitting gasification plants that were 
not designed with special provisions for future implementation of CCS may involve all or some of the following: 
 
• Addition of a CO shift section 
• Addition of a CO2 removal unit 
• Addition of CO2 drying and compression facilities 
• Modification of gas turbine to operate on hydrogen instead of syngas fuel 
• Addition of air compression capacity for oxygen plant 
• Capacity increases of plant utilities 
 
A crucial part of a pre-combustion CO2 capture system in gasification applications is the CO shift section. The 
syngas reacts reversibly with steam over a catalyst to convert the CO in the syngas to CO2. This step increases the 
CO2 concentration and generates additional H2. The CO shift can take place at various points downstream of the 
gasifier. The current configuration at Long Lake consists of a Selexol-based sulphur removal unit (SRU) followed 
by a PSA unit, as shown in Figure 1. The CO shift unit can be placed upstream or downstream of the sulphur unit. 
The former configuration is known as a “sour CO shift” whereas the latter is referred to as a “sweet CO shift”, due 
to the presence and absence of H2S in the syngas feed to the shift unit, respectively.  
 
For Long Lake, a sweet shift is preferred as its implementation may be less detrimental to operations than a sour 
shift. Our analysis indicates that a sour shift would increase the total gas input to the SRU by 50%. Unless the 
original SRU was pre-designed to accommodate an increased flow of this magnitude, additional absorption and 
solvent regeneration trains would be required. Further, the acid gas removed must have an H2S concentration 
compatible with the existing sulphur recovery unit. Thus, additional equipment would likely be required to increase 
the H2S concentration of the acid gas feed, which would further increase the costs and complexity of the retrofit. 
 
In contrast, a sweet CO shift retrofit does not interfere with the design and operation of the existing SRU as the 
feed syngas amount and composition are unchanged. The flowsheet modifications required, namely the addition of a 
CO shift and a Selexol CO2 capture unit, are shown in Figure 2. This design would also employ a saturator-
desaturator system (not shown in Figure 2) to reduce the shift steam demand to values close to its stoichiometric 
value [2]. Although the saturator-desaturator system requires an additional investment, the resulting steam savings 
would likely offset the overall capital required for the CO2 retrofit of the operations at Long Lake. 
Figure 2. Long Lake project, pre-combustion CO2 retrofit case 
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After retrofit, the syngas exiting the Selexol plant contains mostly H2, which changes the performance of the PSA 
unit. The net inflow to the PSA after CO2 capture becomes smaller than the original flow by an estimated factor of 
3. As a result, the PSA unit has excess capacity after the retrofit. Thus, the H2 recovery needed to meet the demands 
of the upgrading process drops by roughly half, potentially reducing the energy requirements of the PSA unit. Table 
1 shows our estimated compositions for all syngas streams in Figure 2. The original (no CO shift) PSA offgas 
stream is also provided for comparison purposes. 
 
The CO2 retrofit of the gasification process impacts the operations of the co-generation plant and poses certain 
issues related to process fuel supply in the upgrader. The mass and composition of the fuel gas supplied to the gas 
turbine in the co-generation plant changes drastically once the CO2 retrofit is accomplished. Our analysis reveals 
that the available syngas fuel mass after CO2 retrofit is roughly 40% of the available syngas in the original design. 
This is a direct result of the loss of CO in the fuel due to its removal as CO2. The consequence is that the turbine will 
be underloaded, which will affect its power output and performance. 
 
The second impact of the CO2 retrofit is related to burning a hydrogen-rich syngas in the gas turbines. This may 
require modifications to the turbine burners, potentially incurring extra costs. Also, burning the H2-rich fuel may 
exceed the design temperature of the turbine blades due to an increased water content in the flue gas. This leads to 
compensatory measures such as lowering the firing temperature, which reduces the turbine efficiency. The tradeoff 
is between reduced efficiency and higher turbine blade erosion/corrosion, both of which increase operational costs. 
Table 1. Syngas compositions for the gasification process with sweet CO shift (dry, mole %) 
Stream Raw syngas 
Sweet  
syngas 
Shifted 
syngas 
Clean 
Syngas 
Fuel  
syngas 
Fuel 
syngas*
H2 38.6 39.8 59.2 87.8 82.2 13.8 
CO 51.4 52.9 3.6 4.8 7.0 75.7 
CO2 7.1 5.7 36.1 5.6 8.1 8.1 
H2S 1.6 0.5 0.3 0.5 0.7 0.7 
Ar 1.0 1.0 0.7 1.1 1.6 1.5 
CH4 0.2 0.2 0.1 0.2 0.3 0.3 
* No CO shift, estimated on the basis of the Long Lake project public submission to regulatory agencies 
Additional impacts related to the changes in syngas composition and quantity are found in two areas: syngas 
supply for upgrading operations and for supplemental duct-firing in the co-gen plant boiler. In both cases, it is 
uncertain if the current equipment is capable of burning the new fuel syngas, which is over 80% hydrogen. 
Moreover, the reduced mass of syngas available after CO2 capture and H2 extraction is insufficient to fully sustain 
operations in the co-gen plant and the upgrading section. Consequently, after CO2 retrofit, a certain quantity of 
replacement fuel (natural gas) is required to supply the energy requirements of the upgrading process. 
3.2. Post-combustion capture case 
An alternative way to capture CO2 in Long Lake is to implement a post-combustion capture system downstream 
of the co-generation plant. The advantage of this scheme is that minimal modifications to the existing facilities are 
required, as this is a “tail-end” solution. Conversely, the main disadvantage is that the CO2 concentration in the flue 
gas is lower than that of the pre-combustion case, which necessitates a chemical solvent and larger equipment. 
 
As mentioned above, the conditions of the CO2-bearing gas are such that a chemical solvent is required for 
capture. In this study we have assumed a MEA-based plant, currently the most commercial process available. The 
stripper in the MEA plant customarily requires large quantities of low-pressure steam to remove the CO2 from the 
amine solvent. In the current application, the amount of steam required is estimated at 1.24 tonne steam/tonne CO2
captured. This figure is consistent with the literature [3,4] but may be higher for alternative designs. 
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Our analysis indicates that the steam required in the MEA plant is roughly 28,000 tonne/d. Unless design 
provisions for this additional capacity were made in advance, the existing co-gen plant is unlikely to be able to 
supply this extra steam. Therefore, we propose that a dedicated natural gas-fired boiler be used to meet the steam 
demands of the CO2 capture process. Additional opportunities for heat integration elsewhere in the plant, or the 
addition of a natural gas boiler with low-pressure extraction steam turbine generator [3,5] have been proposed and 
must be evaluated in further detail prior to implementation. In this work, however, the required power for CO2
capture and compression is supplied by the existing turbines, as sufficient spare power is available. 
4. Performance after CO2 retrofit 
4.1. Pre-combustion capture case 
The co-generation plant is largely affected by the CO2 retrofit. Figure 3 summarizes the changes in flowrates 
before and after the CO2 retrofit. Generally speaking, the bulk of the penalty for capture is reflected in a power 
output reduction due to the increased steam and power demands of the CO shift and CO2 capture and compression. 
 
Figure 3. Co-generation plant performance after pre-combustion CO2 retrofit 
The net power output of the co-generation plant decreases to 95 MW from the original 370 MW after CO2
retrofit, for a variety of reasons. Firstly, the gas turbines are underloaded. Secondly, the additional power demands 
of the CO2 capture process and compression are substantial, estimated to be 188 MW. This figure is based on a CO2
capture rate of 90%, with compression to 110 bar. The assumed energy requirements for capture and compression 
are 245 kWh/tonne CO2 captured [6]. This figure is based on our previous experience with carbon capture in an 
IGCC plant, and will likely decrease after an optimised design for this study’s application is executed. 
 
A CO2 retrofit such as the one outlined here is limited by the ability of the co-gen plant to supply steam and 
power for SAGD operations, the CO shift, the Selexol plant, and the ancillary power demands. To sustain existing 
operations without make-up fuel, the CO shift and Selexol units can only produce/remove as much CO2 as the 
available steam and power from the co-gen plant permits. Our analysis has identified that a 90% CO shift and CO2
removal system allows the co-gen plant to supply all the required steam and power. Increasing the CO shift above 
90% would require additional steam and power generation, thus causing a deficit in the energy balance of the plant. 
Natural gas could be used for supplementary steam generation, subject to the capacity of the HRSG, or in separate 
boilers. This however, would increase costs and neglect the advantage of using a co-generation plant. Our 
recommendation is based on first-principles modelling work. Optimization of the co-gen plant under variable CO 
shift and CO2 capture levels is required to determine the ultimate power and steam production potential of the co-
gen plant integrated with the retrofitted gasification process. Of special concern is the final assessment of the gas 
turbines performance with hydrogen-rich fuel, which only the turbine manufacturer can guarantee.  
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In terms of CO2, the amount captured is 18,681 tonne/d. The purity of the CO2 is estimated to be at least 92%. 
The purity varies depending on the extent to which H2 and CO slip into the CO2 stream. In this study, we chose 
relatively high values of 4% and 13%, respectively, based on previous modelling work [7]. An optimized Selexol 
plant design may be able to yield CO2 with purities in excess of 95%, but the energy penalty would likely rise. 
 
The net CO2 emissions of the co-generation plant after retrofit are estimated to be 3,901 tonne/d. The CO2
concentration in the flue gas is 3% on a dry basis, assuming 80% excess air. In contrast, the co-gen plant prior the 
retrofit emitted 17,813 tonne/d, with a mol fraction of 13% (100% excess air). The air was varied in our analysis to 
regulate the firing temperature of the turbine, which is a function of the syngas composition and other factors. 
 
In addition to the co-gen plant emissions, the emissions from natural gas use in upgrading amount to 2,226 
tonne/d. Hence, the total emissions of the Long Lake plant after pre-combustion CO2 retrofit are 6,127 tonne CO2/d. 
4.2. Post-combustion capture case 
The performance of all sections in the Long Lake project is mostly unaffected in the post-combustion capture 
retrofit. As seen in Figure 4, the only difference is found in the power output of the co-generation plant. The total 
energy requirements of the CO2 capture plant are 27,758 tonne/d of steam and 125 MW of power, for a capture 
efficiency of 90%. The power requirements for CO2 capture and compression are assumed to be 145 kW/tonne CO2
[3]. The net outputs of the co-gen plant after CO2 retrofit are 245 MW and 22,000 tonne steam/d. The internal power 
requirements of the Long Lake plant are estimated at 50 MW, thus, 195 MW are available for sale to the grid. 
 
Figure 4. Co-generation plant performance after post-combustion CO2 retrofit 
The net natural gas requirements after CO2 retrofit amount to 2.9 million m3/d (107.9 TJ/d). Also, in the post-
combustion capture case, the fuel requirements of the upgrading process are 100% supplied by the syngas, so no 
make-up natural gas is required, unlike in the pre-combustion case.  
 
The CO2 emissions of the co-gen plant after the post-combustion retrofit are 2,300 tonne/d. In contrast, the 
emissions of the pre-combustion CO2 retrofit case without natural gas supplementation are 3,901 tonne/d. The 
emissions of the original process are 17,813 tonne/d. However, since syngas is used for energy generation in 
upgrading, the total CO2 emissions of the Long Lake plant after post-combustion retrofit rise to 6,061 tonne/d. These 
emissions are practically identical to those of the pre-combustion CO2 retrofit (6,127 tonne CO2/d). 
 
The CO2 captured in the MEA plant is estimated to be 20,698 tonne/day. This figure is roughly 11% higher than 
the CO2 captured in the Selexol-based case. The main reason for the observed increase is the additional CO2
generated in the new boiler, which is captured in the MEA plant. The CO2 is delivered at a purity in excess of 99%.  
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5. Conclusions 
Table 2 summarizes the performance results for the CO2 retrofit cases discussed in this paper and compares them 
to the process pre-CO2 retrofit. Both options feature a CO2 capture efficiency of 90%. In the Selexol capture case, 
the specified CO shift is 90%. In both modeled cases, the steam, H2, and power demands of the Long Lake complex 
are fully met. This independent modeling study is based upon publicly available information and thus it may differ 
from the final commercial process configuration, which is solely determined by the plant owner/operator. 
 
The steam demands of the post-combustion capture option are substantially higher that those of the pre-
combustion case. This has two direct implications: 1) dedicated steam boilers must be added to the process, and 2) 
natural gas supplementation is inevitable, as the available syngas is insufficient to satisfy the power and steam needs 
of all process sections. The Selexol-based case suffers a modest steam requirement increase due to the CO shift, 
which could potentially be supplied by the existing HRSG and/or other steam sources throughout the complex. 
 
The pre-combustion capture case features the highest power requirements for CO2 capture and compression, due 
to the need to recompress and recycle large gas volumes in the initial stages of the Selexol solvent regeneration. This 
is done to minimize H2 losses to the CO2 stream. This results in the largest reduction in power output of the co-gen 
plant, which operates with underloaded turbines due to upstream CO2 removal. Nevertheless, the net power output 
in the pre-combustion case is enough to cover the project’s demands, so the only loss is excess power to the grid.  
Table 2. Comparison of CO2 retrofit cases 
Performance measure Original process Pre-combustion CO2 capture 
Post-combustion 
CO2 capture 
Solvent for CO2 capture N/A Selexol MEA 
Steam demands (tonne/d) 
SAGD 22,000 22,000 22,000 
CO shift* 0 7,500 0 
CO2 capture 0 0 27,758 
Total 22,000 29,500 49,758 
Power balance (MW) 
CO2 capture & compression N/A 188 125 
Net available 370 95 245 
Natural gas supplementation (TJ/d) 
Co-gen plant 0 0 108 
Upgrading 0 46 0 
Total 0 46 108 
CO2 emissions (tonne/d) 
Co-gen plant  17,813 3,901 2,300 
Upgrading 3,761 2,226 3,761 
Total  21,574 6,127 6,061 
CO2 captured (tonne/d) 
Gasification plant 0 18,681 0 
Co-gen plant 0 0 20,698 
CO2 Purity (mole %) N/A 92+ 99+ 
*Assumed steam:CO ratio = 1, 90% CO to CO2 yield 
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The post-combustion capture option requires the most supplementary natural gas, which is used exclusively to 
produce steam for CO2 removal in the MEA unit. The pre-combustion case has much lower natural gas demands, as 
the gas is used only as substitute fuel for upgrading processes and not for power or steam generation elsewhere. 
 
The CO2 reductions achieved by the retrofits are roughly 72% with respect to the original process. The net CO2
emissions of the post-combustion capture case and the sweet CO shift case are essentially the same. The emissions 
reduction of the MEA case is achieved by capturing 11% more CO2 than its Selexol counterpart. In practical terms, 
this means that CO2 transport and storage costs of the MEA-based solution would be higher than those of the 
Selexol solution. This in turn, may translate into higher CO2 mitigation costs on a per tonne of CO2 captured basis. 
 
From a performance perspective alone, the results in Table 2 indicate that no option offers an overwhelming 
advantage, especially considering that the CO2 emissions reductions achieved by either route are indistinguishable. 
The pre-combustion case has lower steam and natural gas requirements and yields less compressed CO2 than the 
post-combustion case. However, the post-combustion retrofit is potentially less disruptive to the process, it preserves 
a greater portion of the power production potential of the co-gen plant, and generates a more pure CO2 stream than 
the pre-combustion option. To properly assess the tradeoffs of the proposed retrofit schemes, we are currently 
evaluating the economics of the pre- and post-combustion capture cases, which will add clarity to the decision-
making process. 
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